Abstract Carbon dioxide (CO 2 ) flooding is one of the most important methods for enhanced oil recovery (EOR) because it not only increases oil recovery efficiency but also causes a reduction of greenhouse gas emissions. It is a very complex system, involving phase behavior that could increase the recovery of oil by means of swelling, evaporation and decreasing viscosity of the oil. In this study, a reservoir modeling approach was used to evaluate immiscible and miscible CO 2 flooding in a fractured oil field. To reduce simulation time, we grouped fluid components into 10 pseudo-components. The 3-parameter, Peng-Robinson Equation of State (EOS) was used to match PVT experimental data by using the PVTi software. A one-dimensional slim-tube model was defined using ECLIPSE 300 software to determine the minimum miscibility pressure (MMP) for injection of CO 2 . We used FloGrid software for making a reservoir static model and the reservoir model was calibrated using manual and assisted history matching methods. Then various scenarios of natural depletion, immiscible and miscible CO 2 injection have been simulated by ECLIPSE 300 software and then the simulation results of scenarios have been compared. Investigation of simulation results shows that the oil recovery factor in miscible CO 2 injection scenario is more than other methods.
Introduction
Carbon dioxide concentration in the atmosphere has been increasing as well as other greenhouse gases since the beginning of the Industrial Revolution by anthropogenic activities. The increase is mainly attributed to the combustion of fossil fuels for energy production [1] . Of all the other greenhouse gases, CO 2 is responsible for about 64% of the enhanced greenhouse effect, making it the target for mitigation of greenhouse gases [2, 3] . The pre-industrial era, CO 2 concentration was about 280 ppm. Presently, it reaches 370 ppm [4] as a result global temperature has risen. In order to decrease global warming emissions concentration of carbon dioxide should be reduced. One of the available methods for minimizing CO 2 concentration in the atmosphere is the application of CO 2 for injecting into oil reservoir in order to enhance oil recovery (EOR).
The use of CO 2 for EOR is considered one of the most promising methods for commercial application. Among gas injection processes, CO 2 is preferred to hydrocarbon gases (HC) because of its lower cost, high displacement efficiency and the potential for concomitant environmental benefits through its disposal in the petroleum reservoir [5] .
Carbon dioxide could displace oil by either miscible or immiscible displacement. For pressures below MMP, immiscible displacement of oil takes place, in which oil viscosity reduction, swelling of reservoir oil, reduction of interfacial tension, and solution gas drive are major driving mechanisms. This combination of mechanism enables a portion of the reservoir's remaining oil to be mobilized and produced. At pressures above MMP, the most dominant mechanism is miscibility between CO 2 and the reservoir oil. Miscible displacement by CO 2 is a much preferred process to immiscible displacement. The miscible process, is best applicable to light and medium gravity crude oils, and the immiscible process, may apply to heavy oils.
The goal of this study is the investigation of immiscible and miscible CO 2 injection in order to optimize the recovery of a field with a dual porosity system. The field is located in the southwest of Iran. This oil field has two reservoirs: Gurpi and a shallower Asmari reservoir. Main reservoir in this field is the Asmari formation with Oligocene and Miocene ages which is divided into seven zones. Therefore, only the Asmari formation has been producing oil at commercial scale.
The Asmari formation in this field consists mostly of carbonates that appear to be naturally fractured with a low permeability matrix. The matrix has a porosity and permeability of about 0.088% and 3.4 md, respectively. A fracture network is distributed in the reservoir and the fracture has a porosity and permeability of about 0.002% and 3124 md, respectively also water saturation is about 36%. Based on the studies performed by the National Iranian Oil Company the original oil in place (OOIP) for this field is estimated to be 2126 MMstb.
Because the fracture network is well distributed, it is the dominant path for the flow of fluid in the reservoir. The reservoir has no initial gas cap and permeability and the size of aquifer is very low to keep up the pressure of the reservoir. Based on the material balance calculations and production behavior of the field, this field is an under a saturated oil reservoir.
Fluid properties
The initial bubble point pressure was 1904 psia, and the reservoir temperature is 250°F. Also initial reservoir pressure is 5830 psia. Solution gas-oil ratio at the initial bubble point pressure is 480 scf/stb. The oil has 20.93°API gravity. Oil res- [6] . Experimental PVT data were provided by the field operator. These data contain constant composition expansion (CCE) data, differential liberation (DL) data at the reservoir temperature (250°F), and separator tests. Table 1 gives reservoir fluid composition.
Splitting, grouping and fitting the EOS
In this study, we used PVTi software for characterization of the reservoir oil sample. Insufficient description of heavier hydrocarbons reduces the accuracy of PVT predictions [7] . Therefore PVT matching generally starts with splitting the plus components into two or three pseudo components, specifically when there are many of them compared with the other components. As shown in Table 1 , 34.39% of fluid is C12+.
The C12+ component was splitted into two pseudo components by Whitson's method as shown in Table 2 . And also the Lee-Kesler correlation selected as critical properties correlation and acentric properties correlation to describe the newly defined components. Table 2 shows reservoir fluid components after splitting. The next step is grouping the components; components with similar molecular weight must be put in the one group. The main reason for grouping components is to speed-up the compositional simulation. In a compositional simulation the number of grouped components depends on the process that is modeled. For miscibility, more than 10 components may sometimes be needed. In general, 4-10 components should be enough to describe the phase behavior [8] . In the grouping processes usually obvious candidates are to group IC4 with NC4, and IC5 with NC5. But there are some exceptions usually N2 added to C1 and CO2 added to C2. In PVTi, the main criterion for a successful grouping is whether the new grouped components can predict observed experimental results at least as well as the original ungrouped components [8] . Considering CO 2 injection, after several experiments we grouped C2, C3, IC4 and NC4 together, IC5, NC5 and C6 together, C7, C8 and C9 together and C10 and C11 together as shown at Table 3 and finally in this study we made 10 components to describe phase behavior of the reservoir fluid. Table 4 shows reservoir fluid component and their properties after grouping. After grouping, comparison of shapes of the phase diagrams before and after grouping ( Fig. 1) indicates that they are close to each other therefore a good grouping has been achieved.
The last stage was fit an EOS to have an agreement between the observed data and the results calculated with the EOS. The 3-parameter, Peng-Robinson Equation of State (EOS) was used in this paper. Peng-Robinson [9] EOS, a cubic EOS that was developed by Peng and Robinson in 1976, has been shown to accurately model hydrocarbons and is the most widely used EOS in compositional reservoir simulators. The PR EOS has the following form: 
where P is the pressure, T is the temperature, R is the gas constant, V is the molar volume calculated by the PR EOS. a and b are the parameters of EOS, for pure substance the equation parameters a and b are expressed as: Figure 1 Shapes of the phase diagrams (a) before and (b) after grouping.
where T c and P c are the critical temperature and pressure, respectively. The parameter a(T) is a function of temperature and the acentric factor, x and defined by following expression:
where T r = T/T c is the reduced temperature, when the acentric factor x 6 0:49, m can be represented by following equation:
and when x > 0.49 [10] 
The PR EOS with a Peneloux [11] correction gives the corrected liquid molar volume and is obtained as follows:
where V corr is the corrected molar volume, and c is the Peneloux correction term, it can be estimated by:
where Z RA is the Racket compressibility factor and is calculated as:
Substituting Eq. (8) in Eq. (1), will result in the following form of the PR EOS, and it is called 3-parameter, Peng-Robinson Equation of State:
Parameters a, b and c are calculated for mixtures using the following mixing rules:
where X i and X j are mole fractions of component i and j, respectively and K ij is the binary interaction coefficient between components i and j and determined based on experimental vapor-liquid equilibrium data. The saturation pressure is usually very sensitive to the Omega_A, Omega_B, P crit and T crit of the plus component [8] . In this study, changing Omega_A, Omega_B and P crit has made the calculated value of the saturation pressure equal to 1903.91 psia very close to the experimental value of 1904 psia. Then with changing some parameters such as P crit , T crit , acentric factor and volume shift of pseudo components and some of the lighter components we can earn a very good agreement between the observed data and the results calculated with the EOS as shown in Figs. 2-8. After regression, the matching results were extremely improved. The Lohrenz-Bary-Clark (LBC) method was used as viscosity correlations. LohrenzBary-Clark [12] developed an empirical correlation for determining the viscosity of the saturated oil from its composition. This correlation is used widely in the petroleum industry, particularly in reservoir simulation. The LBC correlation is expressed as:
where n is the viscosity-reducing parameter, which for a fluid mixture is given by:
where X i , M i , T ci and P ci are mole fraction, molecular weight, critical temperature and pressure of component i, respectively. q r is the reduced oil density and is given by the following mathematical expression:
where q o is the oil density at the prevailing system condition, N is the number of components in the mixture, V ci is critical volume of component i, X C 7þ and V C 7þ are mole fraction and critical volume of C 7+ , respectively. Lohrenz et al. proposed the following expression for calculating V C 7þ :
where M C 7þ , c C 7þ are molecular weight and specific gravity of C 7+ , respectively. And l is the fluid viscosity, l * is the viscosity at atmospheric pressure. For the viscosity of the mixture at atmospheric pressure, Lohrenz et al. suggested using the following Herning-Zipperer [13] equation:
where l i is the viscosity of component i in the mixture at the atmospheric pressure and is calculated from the following equations:
where T ri is the reduced temperature of component i and ni is viscosity parameter of component i and is given by:
And finally oil viscosity was matched as shown in Fig. 9 . So the fitted EOS and the parameters must be exported to the ECLIPSE compositional model to simulate fluid behavior at different conditions.
Model descriptions
In this study, a sector model was built by means of the FloGrid module of the ECLIPSE simulation software for investigation of various processes and parameters on the field. The sector is a portion of the reservoir and its connected production and injection wells were drilled in this section.
As mentioned earlier in Introduction, this reservoir is made up of seven zones. This model was built on the basis of the structure maps obtained in the geological study. Therefore, geometry of reservoir was constructed on the basis 8 structural contour maps obtained for depth. These maps were digitized and used for making a geological model. Reservoir properties such as porosity, permeability and net-to-gross (NTG) ratios in the three directions were provided on the petrophysical study. Therefore, 7 contour maps for porosity, permeability and net-to-gross ratios were used. After digitizing, these maps have been used for making a model of the reservoir. The type of gridding was selected as corner point geometry because it was more accurate than the block center. In this study, in order to have more accurate results, zone 1 was divided into two layers and zone 2 was divided into three layers. So, the dual porosity model has 20 layers (10 for the matrix and 10 for the fractures).
The sector model is a 6.5 km*6.5 km model and its dimensions are as shown below: N x (the number of grids in x-direction) = 65, size of each x grid block is about 100 m N y (the number of grids in y-direction) = 65, size of each y grid block is about 100 m.
N z (the number of grids in z-direction) = 10Therefore this model contains 42,250 grids.
Figs. 10-12 show the different properties of the sector model such as NTG, permeability and porosity. The OIP for this sector is estimated to be 820.25 MMstb and that is more than one third of the total OIP estimated for this field. Therefore increasing recovery of oil in this sector can have an important influence on the total recovery of oil.
Determination of CO 2 minimum miscibility pressure (MMP)
The minimum miscibility pressure (MMP) is the lowest pressure at which multi-contact miscibility can be achieved. In the petroleum reservoirs, miscibility is defined as that physical condition between two or more fluids that will permit them to mix in all proportions without the existence of an interface [14]. The minimum miscibility pressure is one of the most important factors in the plan and operation of miscible CO 2 flooding process. Displacement efficiency depends on minimum miscibility pressure and a dependable estimation of minimum miscibility pressure can help the operator to design the injection conditions and surface facilities. The main factors affecting miscibility are the reservoir fluid composition, injection gas composition, reservoir temperature and pressure [15] [16] [17] [18] [19] [20] [21] [22] . There are many methods for calculating the MMP such as slim tube, rising bubble apparatus and types of correlation.
In this study, one-dimensional compositional simulation of the slim-tube model was performed to determine the minimum miscibility pressure (MMP) of CO 2 with the reservoir fluid. The ECLIPSE300 was used. This model has 600 grids with a porosity and permeability of 0.15 and 2000 md, respectively. The length of the model was selected as 100 m to ensure that developed miscibility is formed and also 1 cm for the width and height to minimize the result of transition region length [23, 24] . Smaller diameter tubing is justified to prevent viscous fingering [25] . In the Eclipse300 software the keywords FUL-LIMP and MISCIBLE were selected as the solution method and the dependence of capillary pressure and relative permeability on surface tensions, respectively.
In order to produce a constant bottom hole pressure (BHP), the injection well was placed at the first grid of the model (1,1,1 ) and the production well was placed at the end of the simulation grid of the model (600,1,1) .
The usual and more standard way to terminate displacement in slim-tube simulations is to monitor the amount of injected gas [8, 24] . In fact, the amount of injected gas is the most important factor for ending the simulation. In general, the displacement is often ended after injecting 1.2 pore volumes (PV) of injected gas and then the oil recovery factor at 1.2 pore volumes of injected gas is plotted as a function of pressure. The break-over pressure in these recovery curves is estimated as the minimum miscibility pressure.
To find the minimum miscibility pressure (MMP) for CO 2 and the reservoir fluid, several slim-tube simulations were run at different displacement pressures using a model with 600 grid blocks and then the ultimate recovery factor for each pressure was determined as shown in the Table 5 . Recovery factor at 1.2 pore volumes of CO 2 injected is plotted versus pressure to determine MMP as shown in Fig. 13 . According to these results the MMP for CO 2 injection is about 4630 psia.
Reservoir simulation scenarios
In this part of the study, the purpose is to evaluate different scenarios of natural depletion, immiscible and miscible CO 2 injection as enhanced oil recovery methods for this reservoir.
In order to have an impartial evaluation, all of them must be performed at the identical operational conditions, identical well completion pattern and also the location of injection and production wells and economical limitations for production wells should be same for all of these scenarios. Based on the geological data, fracture media exists, so dual porosity model was chosen for simulation. Nine wells were drilled in the sector model. Six of them (P1, P2, P3, P4, P5, P6) were classified as production wells which were divided into two types of production wells: horizontal wells (P1, P4, P6) and vertical wells (P2, P3, P5) also in order to evaluate CO 2 injection scenarios three vertical injection wells were located in the center of production wells (I1, I2, I3) . In order to determine that layers should be perforated for injection and production wells, the permeability of different layers was evaluated. After taking various runs, horizontal production wells were perforated in the fifth layer (nearly in the middle of the oil Figure 6 Experimental and calculated vapor z-factor (DL).
Figure 7 Experimental and calculated gas formation volume factor (DL).
column) and vertical production wells were perforated in the fourth, fifth and sixth layers. Also injection wells were perforated in the sixth, seventh and eighth layers. A map view of the location and position of the 6 production wells and 3 injection wells is shown in Fig. 14 . Before running different scenarios in order to have a fair comparison, it needs to have a history matching between pressure or flow data of the field and simulated model. The aim of history matching is to find a model such that the difference between the performance of the model and the history of a reservoir is minimized [26] . History matching is usually had done by hand (a trial and error process). For model adjustment in history matching process, usually the parameters that have the minimum confidence and maximum effect have been changed. These parameters are matrix and fracture permeability, transfer coefficient between matrix and fracture, aquifer parameters, porosity and block height. Therefore at the beginning of the history matching process sensitivity analysis was performed on key parameters. Results show that porosity and permeability of the fracture and compressibility factor are effective parameters in accordance with past field performance and the model. Fig. 15 shows a good matching has been achieved between of calculated pressure in model and pressure history of the field. After the history matching process the model is set for prediction of different scenarios. At the end of 2010 average field pressure was 4410 psia. The wellbore diameter is 0.7 ft in all cases and the time of simulation in all scenarios was 20 years (2010-2030).
The economical limits for shutting the production wells in all scenarios are given below:
Maximum GOR: 1800 scf/stb Maximum water-cut: 45% Minimum oil production rate: 150 stb/day Figure 8 Experimental and calculated gas gravity (DL). Evaluation of miscible and immiscible CO 2 injection in oil fields
Natural depletion
Selected sector model has six production wells (three horizontal wells and three vertical wells) and rate of field oil production was set at 18,000 stb/day divided between six wells, i.e., 3000 stb/day per well and the bottom-hole pressure was set to 1900 psia.
The result of natural depletion scenario is shown in Figs. 16  and 17 . Fig. 16 shows the filed total oil production at the natural depletion scenario from the year of 2010-2030. As shown in this figure until the year of 2019, filed oil production is increasing but after it the field faces the reduction of oil production as it is specific in the figure, in other words the field faced the half-time of its life. Therefore in order to increase oil production we need to apply enhanced oil recovery methods. Fig. 17 illustrates the total of oil production rate for the field. As shown in this figure the field oil production rate is decreasing during 2017-2030. Therefore this field needs to study enhanced oil recovery methods to increase the amount of oil production. At the end of 20 years of natural depletion scenario as shown in Fig. 16 average field pressure is 1841 psia and is based on oil in the place estimated in this sector (820.25 MMstb), the ultimate recovery factor will be approximately 15.07% as shown in Fig. 17 . Total pressure drop at the end of natural depletion scenario is 2500 psia that can have bad effects on the reservoir and in this condition gas injection such as CO 2 injection can be helpful and it can to increase the ultimate recovery factor and decrease the pressure drop.
Immiscible CO 2 injection
As mentioned above in order to investigate the CO 2 injection scenario three injection wells were located in the center of the production wells (Fig. 14) . Since the average field pressure before gas injection was 4410 psia, the injection pressure must be higher, also fracturing pressure for this field is 6200 psia therefore we cannot inject more than this pressure because of its damaging result on the rock of the reservoir. The injection pressure for injection wells at immiscible CO 2 injection scenario was set to 4500 psia. The BHP for all production wells was 1900 psia. And also the total production rate for production wells was 18,000 stb/day, i.e., 3000 stb/day per well.
The simulation model was run inspecific conditions (3 gas injection wells and 6 oil production wells) and the immiscible CO 2 injection scenario was assumed to last 20 years. The only factor that was variable in the scenarios was the injection rate. In the immiscible CO 2 injection scenario several simulations were run to find the optimum injection rate therefore CO 2 was injected at different rates of 3000, 5000, 7000, 8000, 10,000, 12,000, 15,000 and 17,000 Mscf/day. The optimum injection rate sector model has the best oil recovery factor. Simulation results of the immiscible CO 2 injection scenario with different injection rates are shown in Table 6 .
According to simulation results the best scenario was immiscible CO 2 injection with an injection rate of 17,000 Mscf/day. At the end of 20 years in the immiscible Figure 12 Porosity property in the sector model. CO 2 injection scenario as is shown in Fig. 18 and based on oil in place estimated in this sector (820.25 MMstb), the ultimate recovery factor for the injection rate of 17,000 Mscf/day will be approximately 34.45%. Operation of this reservoir with an injection rate of 17,000 Mscf/day is shown in Fig. 19 . In this scenario field oil production total, average field pressure are 9.94 · 10 7 stb and 3053 psia, respectively. As a result the pressure drop in the immiscible CO 2 injection is lower than the natural depletion scenario and also the ultimate recovery factor in this scenario is more than the natural depletion scenario.
Miscible CO 2 injection
In the miscible CO 2 injection scenario, location and position of production wells and injection wells were similar with the immiscible injection scenario. The injection pressure for injection wells at miscible CO 2 injection scenario was set to 5100 psia.
The BHP for all of production wells was 1900 psia. And also the total production rate for production wells was 18,000 stb/day, i.e., 3000 stb/day per well. In order to find the optimum injection rate CO 2 was injected at different rates of 12,000, 16,000, 20,000, 24,000, 27,000, 30,000, ,000 and 36,000 Mscf/day. Simulation results of the miscible CO 2 injection scenario with different injection rates are shown in Table 7 .
According to simulation results the best scenario was miscible CO 2 injection with an injection rate of 30,000 Mscf/day. Operation of this reservoir with an injection rate of 30,000 Mscf/day is shown in Fig. 20 . In this scenario at the end of 20 years total field oil production and average field pressure are 1.041 · 10 8 stb and 5095 psia, respectively. Also based on oil in place estimated in this sector (820.25 MMstb), the ultimate recovery factor will be approximately 36.59%. The most stable displacement with the highest recovery was achieved at an injection rate of 30,000 Mscf/day therefore the optimum injection rate for miscible CO 2 injection scenario is 30,000 Mscf/day. Figure 15 History matching results of field pressure. Figure 16 Field oil production total and average field pressure in the natural depletion scenario.
As could be seen in Table 7 an injection rate of 24,000 Mscf/day and more establishes miscible processes, because the average field pressure in these scenarios was higher than the minimum miscibility pressure.
When CO 2 with aninjection rate of 33,000 Mscf/day and more is injected into the sector model, gas injected moves rapidly through fractures and almost without contact with the oil in the matrix blocks produced in the production wells. This Figure 17 Field oil production rate and field oil efficiency in the natural depletion scenario. Figure 18 Field oil efficiency at different injection rates in the immiscible CO 2 injection scenario.
occurrence can be explained as fingering in fractured reservoirs and it causes an increase in gas oil ratio in the production wells. Therefore some of production wells would shut down after some time because the gas oil ratio in these production wells is more than the economical limit so it causes a decrease in oil recovery factor as is shown in Table 7 .
Comparison of reservoir operation in different scenarios at their optimum injection rates
As previously mentioned the optimum injection rates for immiscible and miscible CO 2 injection scenarios were 17,000 Mscf/day Figure 19 Operation of the reservoir in the immiscible CO 2 injection scenario with an injection rate of 17,000 Mscf/day. Figure 20 Operation of the reservoir in the miscible CO 2 injection scenario with an injection rate of 30,000 Mscf/day. and 30,000 Mscf/day, respectively. So these scenarios were selected and compared with the natural depletion scenario. The results of these scenarios are shown in Table 8 and Figs. 21 and 22. As could be seen in Table 8 in the natural depletion scenario, filed total oil production is 4.48 · 10 7 stb while in the best immiscible and miscible CO 2 injection scenarios this is 9.94 · 10 7 stb and 1.041 · 10 8 stb, respectively therefore the best scenario for this reservoir is miscible CO 2 injection as shown in Fig. 21 . At the end of the natural depletion scenario the average field pressure is 1841 psia but in the best immiscible and miscible CO 2 injection scenarios average field pressure is 3053 psia and 5095 psia, respectively thus the best scenario for injection into this reservoir is the miscible CO 2 injection because it increases the reservoir pressure and also a pressure drop in immiscible CO 2 injection is lower than for natural depletion as shown in Fig. 22 . Oil recovery factor is 15.07% of OOIP in the natural depletion scenario and for the best immiscible and miscible CO 2 injection scenarios it is 34.45 of OOIP and 36.59 of OOIP Figure 21 Comparison of average field pressure values in natural depletion and the best immiscible and miscible CO 2 injection scenarios. respectively therefore the best scenario for this reservoir is miscible CO 2 injection. However, economical cost and asphaltene precipitation must be studied more in these scenarios.
Conclusions
1-By using a slim-tube model, the minimum miscibility pressure for CO 2 and reservoir fluid was determined, this value was 4630 psia. 2-The injection rate is the most important parameter that can affect the oil recovery factor, specifically in fractured reservoirs. The optimum injection rates for immiscible and miscible CO 2 injection scenarios were 17,000 Mscf/ day and 30,000 Mscf/day, respectively. 3-According to the results in the miscible CO 2 injection scenario with an injection rate of 30,000 Mscf/day at the end of 20 years filed total oil production, average field pressure and oil recovery factor are 1.041 · 10 8 stb, 5095 psia, and 36.59%, respectively, therefore this scenario is the best scenario for produce from this reservoir. 4-In the miscible CO 2 injection scenario, increasing the gas injection rate leads to quicker movement of gas toward production wells with the result that the gas oil ratio is more than the gas oil ratio limit (1800 scf/stb) thus it causes the shutdown of some of the production wells and the oil recovery factor will be less. 5-In the heavy oil reservoir to reach to miscible displacement is very hard, therefore, it is recommended that in these reservoirs we should use the immiscible injection.
